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Abstract 

The spontaneous imbibition of aquifer/injected brine is one of the main mechanisms of hydrocarbon recovery 
in the water-invaded zone of fractured reservoirs. Most rock types of fractured reservoirs are oil-wet carbonate. 
Thus, the simulation of spontaneous imbibition becomes more important when an enhanced oil recovery (EOR) 
method such as modified salinity injection is applied for wettability alteration toward a more water-wet state. 
Since 1962, many scaling equations have been proposed to develop transfer functions and improve the 
simulation of spontaneous imbibition. Unfortunately, the majority of those proposed scaling equations are 
developed based on ideal conditions in the laboratory and, hence, have not considered the real conditions of a 
fractured reservoir. High temperature, rock oil-wettability, live oil properties, wettability alteration, lithology 
specification, and gravity force are among the important factors ignored in most of the developed scaling 
equations in the literature. The neglection of these effective elements can cause over- or under-estimation of 
hydrocarbon recovery by spontaneous imbibition. Therefore, this review discusses the advantages and 
limitations of scaling equations in the literature with a critical point of view and recommends many research 
topics for researchers interested in experimental works or data analysis in the  area of spontaneous imbibition. 
The ideal goal of decades of research in this area is to reach a general scaling equation with a special term for 
each specific lithology and EOR strategy. 

Keywords: Fractured reservoirs, Review, Scaling equation, Spontaneous imbibition 

How to cite this article 
Bassir, S. M. et al.,  A Critical Review of Scaling of Spontaneous Imbibition in Fractured Reservoirs, Iran J. Oil Gas Sci. 
Technol., Vol. 12, No. 2, p. 44–80, 2023. DOI: 10.22050/ijogst.2023.411706.1689  



Bassir, S. M. et al. / A Critical Review of Scaling of Spontaneous Imbibition … 45 

 

 

1. Introduction 
More than half of the hydrocarbon reserves in the world are retained in naturally fractured reservoirs. 
These reservoirs are comprised of two particular systems: matrix and fracture systems which are 
responsible for the storage and conductance of hydrocarbon, respectively. At the early stages of oil 
production from these reservoirs, part of the fracture network becomes depleted, and the aquifer brine 
(formation water) can invade the oil zone via a fracture-depleted network: typically named water-
invaded zone. After this invasion, the brine’s spontaneous imbibition into the matrix blocks is one of 
the major mechanisms for hydrocarbon recovery (Gilman and Kazemi, 1983; Saidi, 1987; van Golf-
Racht, 1982; Warren and Root, 1963). 

Based on the flow directions and boundary condition of the imbibing brine and producing hydrocarbon, 
two mechanisms of spontaneous imbibition can take place: cocurrent spontaneous imbibition (COCSI) 
and countercurrent  spontaneous imbibition (COUCSI), respectively. In COCSI, the flow directions of 
displaced fluid and displacing fluid are the same, whereas they are in opposite directions in COUCSI. 
Due to the location of imbibing brine around the matrix block, five boundary conditions can be imposed: 
two ends (of the block) closed (TEC), two ends open (TEO), only one end open (OEO), all faces open 
(AFO), and one end closed (OEC); the boundary conditions are represented schematically in Figure 1. 
The boundary conditions of AFO and OEC represent pure COUCSI, while TEO, OEO, and TEC show 
a combination behavior of COUCSI and COCSI (Bourbiaux and Kalaydjian, 1990; Pooladi-Darvish 
and Firoozabadi, 2000). It should be mentioned that the OEO boundary condition can consider linear 
COCSI or COUCSI, depending on the location of the oil production face. If the imbibing brine enters 
from one side and oil is expelled from the other side, linear COCSI occurs. When the brine imbibition 
enters and oil production is expelled from the same side, linear COUCSI happens (Meng et al., 2017). 

 

Figure 1 

A schematic of different boundary conditions in the spontaneous imbibition process: (a) TEC, (b) TEO, (c) OEO, 
(d) AFO, and (e) OEC boundary conditions (Tian et al., 2021) 

In the development stages of any hydrocarbon reservoir, a precise simulation of the production process 
is very important for production planning and investment. Due to the complexities of fractured 
reservoirs, reservoir simulation is one of the key methods for long-term planning; however, the 
simulation is much more sophisticated for fractured reservoirs than non-fractured ones. In the dual 
porosity/permeability concept of fractured reservoir simulation, transfer functions have the main role 
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in determining the rate of fluid exchange between matrix blocks and fracture networks. These functions 
can be derived with the help of scaling equations (Gupta and Civan, 1994; Kazemi et al., 1992). 

Scaling equations usually are suggested as dimensionless time terms in the literature. The purpose of 
these equations is to aggregate the scattered imbibition recovery data on various imbibition recovery 
experiments performed in the laboratory or the output of a reservoir simulation on a universal curve. 
Finally, the normalized recovery data (between zero and one) are plotted versus the horizontal axis of 
dimensionless time (on a log scale). Normalized recovery is actual recovery at each time step divided 
by final or ultimate oil recovery (R∞). However, in some cases, initial oil in place (IOIP) and pore 
volume (PV) are also used (Li and Horne, 2006; Mirzaei-Paiaman and Masihi, 2013; Schmid and 
Geiger, 2013). 

This paper first reviews the scaling equations presented in the literature for scaling spontaneous 
imbibition recovery under different rock and fluid properties and operating conditions. The advantages 
and limitations of the equations are discussed in detail, and new ideas and concepts are presented for 
further research in this area. This review reveals that few scaling equations have been developed based 
on real reservoir conditions, so it seems that much new research is still needed to improve scaling 
equations applicable to the complex conditions of the fractured reservoirs. The details of the scaled tests 
of all scaling equations described in this paper are presented in Table 1. 

2. Scaling of spontaneous imbibition 
The first scaling equation was proposed by Mattax and Kyte in 1962 using Rapoport’s equation 
(Rapoport, 1955). A simple derivation of this scaling equation is presented in Appendix A. Their scaling 
equation is given by (Mattax and Kyte, 1962): 

tD-MK	=	t	(
k
φ 	

σ
µw	L2

	 (1)  

where t, k, φ, σ, μw, and L are elapsed time, rock absolute permeability, rock porosity, oil-imbibing brine 
interfacial tension (IFT), imbibing brine viscosity, and rock sample length, respectively; MK stands for 
Mattax and Kyte. It should be reminded that with a proper system of units, all scaling equations are 
dimensionless. Mattax and Kyte could scale their six imbibition tests performed on cylindrical alundum 
(four OEO tests) and sandstone (two AFO tests) cores, separately (Mattax and Kyte, 1962).  

Almost 30 years later, Kazemi et al. (1992) substituted term 1/L2 in the Mattax and Kyte equation 
(Equation 1) with a new term named shape factor (Fs); by this change, they could scale all six 
experiments of Mattax and Kyte (Kazemi et al., 1992). The new equation is described by: 

tD-KGE	=	t 2k
φ	
σ FS-KGE
µw

    (2)  

The parameters in this equation are the same as those in the equation of Mattax and Kyte, and KGE 
stands for Kazemi, Gilman, and Elsharkawy. According to the authors, the shape factor in Equation 2 
considers different boundary conditions and is defined by Equation 3 (Kazemi et al., 1992): 

FS-KGE	=	
1
Vb
	8 	Amadma

 (3) 
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where Vb is the matrix block volume, Ama denotes each surface area that is open to the flow, and dma 
represents the distance from each open surface to the matrix block center. For a cylinder with an AFO 
boundary condition, the shape factor is given by (Kazemi et al., 1992): 

FS-KGE	=	 4L2 	+	
8
D2    

(4) 

where D and L are the diameter and length (or height) of the cylinder, respectively (Kazemi et al., 1992). 

Reis and Cil (1993), denoted by RC in Equation 5, included two new parameters to the Mattax and 
Kyte’s scaling equation: (1) characteristic mobility of each phase (λr*	= kr* µ⁄ ) where oil and imbibing 
brine relative permeabilities (kr*) are at the end-point; (2) the difference between brine saturation at each 
time step and initial brine saturation (ΔSw). Through these changes, they were able to scale 16 linear 
imbibition experimental data (10 OEO and six TEO tests) that were collected from four different 
references (Bourbiaux and Kalaydjian, 1990; Cuiec et al., 1990; Hamon and Vidal, 1986; Mattax and 
Kyte, 1962), separately. Their scaling equation is as follows (Reis and Cil, 1993): 

tD-RC	=	t (
k
2φ	

σ
∆SwL2

	 1
( 1
λrw* + 1

λro* )
 (5) 

where λr*	= kr* µ⁄ 	 is the characteristic mobility of each phase, and oil and imbibing brine relative 
permeabilities (kr*) are at the end-point. This scaling equation is developed according to matching the 
rate of oil expulsion determined by Darcy’s law with that specified by a material balance; constant 2 in 
the denominator of Equation 5 was added during the development (More information can be found in 
(Reis and Cil, 1993)). 

Gupta and Civan (1994), denoted by GC in Equation 6, added the cosine of the contact angle (θ) to the 
numerator of Equation 2, the scaling equation developed by Kazemi et al. (1992) to consider the rock 
sample wettability. They could scale 14 imbibition tests (9 OEO, 2 AFO, and 3 TEO tests) collected 
from three references (Cuiec et al., 1990; Hamon and Vidal, 1986; Mattax and Kyte, 1962), separately 
(Gupta and Civan, 1994):  

tD-GC	=	t	(
k
φ	
σ	FS-KGE	Cos(θ)

µw
 (6) 

In former scaling equations, the wettability of rock was assumed to be close to water-wet and was not 
considered. However, using the contact angle to include the wettability of non-water-wet rocks seems 
very debatable, complex, and may not be adequate. 

Babadagli (1996), denoted by B in Equation 7, introduced a wettability function (f(θ)) to include the 
rock wettability in the scaling equation to scale his own 13 AFO tests on aged (weakly or non-water-
wet) rock samples. However, water viscosity was replaced with oil viscosity in the denominator of the 
equation (Babadagli, 1996): 

tD-B	=	t	(
k
φ	
σ	f(θ)
µo	L2

 (7) 
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A cartesian plot of oil recovery (as the fraction of initial oil in place (IOIP)) versus the square root of 
time (√t) for all the tests is drawn, and a linear regression is fitted to each test data to determine f(θ). 
f(θ) is one for the test with the highest slope (strongly water-wet case) and equals the ratio of each test 
slope to the highest slope for the other tests (Babadagli, 1996). 

Ma et al. (1997), denoted by MMZ, which stands for Ma, Morrow, and Zhang, in Equation 8, made two 
modifications to the Mattax and Kyte’s scaling equation (Mattax and Kyte, 1962) to properly scale 27 
wide-range imbibition tests (11 OEO, 9 AFO, 4 TEO, and 3 TEC tests) collected from the works of 
Hamon and Vidal (1986), Mattax and Kyte (1962), and Zhang et al. (1996) (see Figure 2). They used 
the geometric mean of oil and imbibing brine viscosities, instead of either imbibing brine viscosity 
(Gupta and Civan, 1994; Kazemi et al., 1992; Mattax and Kyte, 1962) or oil viscosity (Babadagli, 1996). 
Moreover, the core length (L) in all previous scaling equations was substituted by a new term named 
the characteristic length (Lc) (Ma et al., 1997). 

tD-MMZ	=	t	(	
k
φ	

σ
Qµw	µo	Lc2

 (8) 

 

Figure 2 

The results of the scaling equation developed by Ma et al. (1997) 

The characteristic length in the equation of Ma et al. (1997) is a shape factor similar to the one 
introduced by Kazemi et al. (Kazemi et al., 1992; Ma et al., 1997) with an important correction: 

LC-MMZ	=	2 1
FS-MMZ

=(
Vb

∑Amalma
   (9) 

In the characteristic length of the equation of Ma et al. (1997), lma is the distance from each open 
imbibition face to the no-flow boundary (instead of the center of the block as used by Kazemi et al., 
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1992). Only for a horizontal rock sample with OEO boundary condition, the result of these two 
equations is different, while they lead to the same result for all other boundary conditions. For an AFO 
boundary condition and a cylindrical core, the characteristic length is given by (Ma et al., 1997): 

LC-MMZ	=	
L	D

2	QD2	+	2	L2
 (10) 

In this boundary condition, the no-flow boundary lies at the matrix block center similar to Kazemi et 
al. (1992). 

One of the main limitations of the equation of Ma et al. (1997) is the low viscosity values as the viscosity 
is in the denominator of the equation. Zhou et al. (2002), denoted by ZJKK, which stands for Zhou, Jia, 
Kamath, and Kovscek, in Equation 11, defined a new scaling equation with the aid of both imbibing 
brine and oil mobility (Zhou et al., 2002): 

tD-ZJKK	=	t	(
k	
φ	
σ
Lc2
	 Qλrw* 	λro*

√M*	+	 1
√M*

 (11) 

where M*	= λrw* λro*⁄ 	is characteristic mobility ratio where oil and imbibing brine relative permeabilities 
(kr*) are end-point relative permeabilities. They could scale eight COUCSI tests (five OEO and three 
simulated tests), separately. Simulated tests refer to the generated spontaneous imbibition recovery data 
by simulation, and some of their rock/fluid’s properties are reported in Table 1. It should be mentioned 
that one of the scaled OEO experiments was an air–oil system. All other tests which were scaled by 
previous scaling equations were an oil–(brine/freshwater) system (Zhou et al., 2002). In general, all the 
scaling equations that include relative permeability or capillary pressure need waterflooding data of 
corresponding rock samples that are usually unavailable. 

Ruth et al. (2004), denoted as RMML, which stands for Ruth, Mason, Morrow, and Li, in Equation 12, 
added three new parameters, namely C1, C2, and m, as follows (Ruth et al., 2004): 

tD-RMML	=	t	(
k
φ	

C1	σ
µw	L2

	V1+ WC2
µo
µw
X
1
mY

–m

 (12) 

With these changes, Ruth et al. (2004) could scale many simulated OEO tests with a wide range of 
viscosity ratios (μo/μw = 0.0001–10000); their equation was developed for linear COUCSI (Ruth et al., 
2004). 

As shown in Figure 3, Behbahani and Blunt (2005), denoted as BB in Equation 13, could scale five 
AFO tests performed by Zhou et al. (2000) and five simulated OEO tests with the same properties as 
those of the tests of Zhou et al. (2000) for strongly and weakly water-wet samples (aging time = 0–10 
days) by their new simple scaling equation (Behbahani and Blunt, 2005). In their equation, water 
mobility in non-water-wet rocks is the key parameter that controls the recovery rate. Similar to Zhou et 
al. (2000), mobility was defined at the end-point. 

tD-BB	=	t	(
k
φ	
σ
Lc2
	λrw*  (13) 



50 Iranian Journal of Oil & Gas Science and Technology, Vol. 12 (2023), No. 2 

 
Fischer and Morrow (2006), denoted as FM in Equations 15 and 16, used the scaling equation of Ma et 
al. (1997) with a factor to scale their 27 AFO tests performed on Berea sandstone cores for a wide range 
of viscosity ratios (ψ = μw/μo) from 0.023 to 100. They determined two factors for two ranges of ψ. All 
of their justifications for the viscosity ratio range, the factor, and its relevant scaling equation are 
debatable and impose many complexities. The equations of Fischer and Morrow (2006) are given by: 

 

Figure 3 

The results of the scaling equation developed by Behbahani and Blunt (2005) 

For	ψ	≤	14:					f1(ψ)	=	1.122	ln(ψ)	–	0.794	 (14) 

tD-FM	=	tD-MMZ	/	f1(ψ)			 (15) 

And	for	14	<	ψ	<	40:					f2(ψ)	=	–0.007	ψ2	+	0.203	ψ	+	0.759	 (16) 

tD-FM	=	tD-MMZ	/	f2(ψ)	 (17) 

Fischer et al. (2008), denoted as FWM, which stands for Fischer, Wo, and Morrow in Equation 18, 
suggested a new form of scaling equation with two new variables (a and b as matching parameters) to 
scale their 22 imbibition experiments (10 OEO and 12 TEC tests) performed on Berea sandstone cores 
with a wide range of oil-to-water viscosity ratios (μo/μw = 0.01–173) as follows (Fischer et al., 2008): 

tD-FWM	=	t(
k
φ
σ
Lc2

ab
µw+µob2

 (18) 

In the two latter studies (Fischer and Morrow, 2006; Fischer et al., 2008), glycerol (CH2–
OHCHOHCH2OH) was applied to increase the viscosity of the imbibing brine for preparing diverse oil-
to-water viscosity ratios. 
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Standnes (2009), denoted as S in Equation 19, introduced a more general form of the viscosity term to 
the scaling equation of Ma et al. (1997) for better scaling of 47 simulated TEC tests: 22 oil–brine and 
25 gas–brine systems. Their proposed scaling equation is as follows (Standnes, 2009): 

tD-S2009	=	t	(
k
φ 	

σ
(µwVE	µo1–VE)	Lc2

 (19) 

where VE is the viscosity exponent with a value between zero and one. If VE equals 0.5, Equation 19 is 
the same as that of Ma et al. (Equation 8). Standnes categorized 22 oil–brine tests into two datasets: 1) 
13 tests with a constant oil viscosity of 22 cP and an imbibing brine viscosity of 1–11000 cP; 2) 9 tests 
with a constant imbibing brine viscosity of 4 cP and an oil viscosity of 4–2000 cP. According to the 
investigations, VE becomes 0.82 and 0.58 for the two abovementioned datasets, respectively; for the 
gas–brine dataset, VE equals 0.95 to scale the recovery data (Standnes, 2009). 

Mason et al. (2010), denoted as MFMR, which stands for Mason, Fischer, Morrow, and Ruth, in 
Equation 20, modified the viscosity term of the scaling equation of Ma et al. (1997) and could scale 49 
imbibition tests (27 AFO, 12 TEC, and 10 OEO tests) collected from two works of Fischer and Morrow 
(2006) and Fischer et al. (2008) (Mason et al., 2010): 

tD-MFMR	=	t	(
k
φ	

2σ
hµw	+	Qµw	µoi	Lc2

 (20) 

Actually, they used the arithmetic mean of the imbibing brine viscosity and the geometric mean of the 
oil and imbibing brine viscosities instead of the MMZ viscosity term (i.e., the geometric mean of the 
oil and imbibing brine viscosities). Mason et al. (2010) believed that in the case of relatively small 
viscosities of the oil phase, the viscosity factor depended mainly on the imbibing brine viscosity. 
Therefore, they increased the weight of imbibing brine viscosity in the viscosity term of the scaling 
equation. The results of scaling recovery data by Equation 20 are illustrated in Figure 4 (Mason et al., 
2010). 
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Figure 4 

The results of the scaling equation for (a) 27 AFO tests, (b) 12 TEC tests, and (c) 10 OEO tests (Mason et al., 
2010) 

Standnes (2010a) suggested a new scaling equation with the help of Lambert’s W-function (Fries and 
Dreyer, 2008) to scale five simulated AFO tests where the gravity force aids the recovery in addition to 
the capillary force (Standnes, 2010a): 

tD-S2010a	=	1	+	W	V−e
–1	l	t	2 k

2φ	
σ

Qµw	µo	Lc2Y (21) 

Lambert’s W-function for −e–1	≤	x	≤	0 with an error up to 0.1% can be calculated by (Fries and 
Dreyer, 2008): 

W(x)	≈	–1	+	 √2	+	2ex

1	+	 4.13501	√2	+	2ex12.7036	+	√2	+	2ex

 (22) 

where x is any value between –e–1 and zero, and e indicates the Euler’s number (2.71828). The main 
limitation of Equation 21 is that the imbibing fluid viscosity must be larger than the oil viscosity which 
is not the real case in most hydrocarbon reservoirs. Standnes (2010a) applied the Fries  and Dreyer 
model, indicating it was possible to solve the Washburn equation explicitly for vertical flow including 
gravity with the help of Lambert’s W-function (Fries and Dreyer, 2008; Standnes, 2010a; Washburn, 
1921). 

In another work, Standnes (2010b) proposed another scaling equation for scaling 18 simulated AFO 
tests where the viscosity of the imbibing fluid was higher than crude oil viscosity as follows (Standnes, 
2010b): 

tD-S2010b	=	 µo
µw	l	µo

	p(1	+	t	22k
φ 	

σ
Lc2
	µw	l	µoµo2

	−  1q	for	µo	<	µw (23) 

Standnes (2010b) used Washburn and Poiseuille equations for deriving the new scaling equation. The 
major limitation of Equation 23 is similar to that of Equation 21. Therefore, this scaling equation cannot 
be applicable to most hydrocarbon reservoirs (Standnes, 2010b). 
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Pordel Shahri et al. (2012), denoted as PJS, which stands for Pordel Shahri, Jamialahmadi, and 
Shadizadeh, in Equations 24 and 25, presented a general scaling equation including all effective forces 
and elements in imbibition recovery (oil displacement by water) by changing the method of Babadagli 
(1996) for including rock wettability in the scaling equation. They suggested that, instead of the 

cartesian plot of oil recovery versus the square root of time (√t), oil recovery (as a fraction of initial oil 
in place) should be drawn versus a more complex term as follows (Pordel Shahri et al., 2012): 

k φ⁄
Vp	(1	 − 	Swi)	Qµw	µo	Lc2

	[ σ
Qk φ⁄

	+	 ∆ρ	g	Lc
2

LH
]	√t (24) 

where Vp, Swi, and LH are the rock pore volume (PV), initial brine saturation, and the height of the rock 
sample, respectively. Similar to Babadagli’s procedure, the highest slope (the most strongly water-wet 
case) has a normalization index (NI) of one, and the ratio of their slope to the highest slope is their NI 
for each of the other wettability states. Pordel Shahri et al. (2012) modified the scaling equations of Ma 
et al. (1997) and Mason et al. (2010) and included a gravity term and the NI as follows:  

tD-PJS-MMZ	=	t	(
k
φ	

σ	NI
Qµw	µo	Lc2

	+	 k	∆ρ	g
φ		Qµw	µo	L

	t (25) 

tD-PJS-MFMR	=	t	(
k
φ	

2	σ	NI
(µw	+	Qµw	µo)	Lc2

	+	 2	k	∆ρ	g
φ	(µw	+	Qµw	µo)	L

	t (26) 

Pordel Shahri et al. (2012) selected 10 imbibition tests, including 5 tests for oil-wet rock samples 
(Kanani, 2007), 4 tests for mixed-wet rock samples (Salehi, 2009), and 1 test for a water-wet rock 
sample (Babadagli, 2003), and 4 of their own tests on aged altered wettability rock samples to check 
the validity of their proposed scaling equation. Their scaling results showed that Equation 25 had a 
higher scaling quality than Equation 26.  

Mirzaei-Paiaman and Masihi (2014), denoted as MM, which stands for Mirzaei-Paiman and Masihi, in 
Equation 27, proposed a new scaling equation for the COCSI condition which was validated by eight 
OEO tests collected from four different works simultaneously (Akin et al., 2000; Bourbiaux and 
Kalaydjian, 1990; Hamon and Vidal, 1986; Standnes, 2004). Their scaling equation is presented by: 

tD-MM	=	(
2	σ	Qk φ⁄

(µo	+	Qµw	µo)	L2
	t (27) 

The ability of the scaling equations of Ma et al. (1997), Mason et al. (2010), and Mirzaei-Paiaman and 
Masihi (2014) for scaling the eight collected tests is presented in Figure 5. Figure 5c (Equation 27) 
demonstrates higher scaling quality than the two former scaling equations depicted in Figures 5a and 
5b (Mirzaei‐Paiaman and Masihi, 2014). This new equation should be evaluated by more imbibition 
tests with a wider range of rock–fluids characteristics to verify its robustness. 
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Figure 5 

Scaling of recovery data by the scaling equation of (a) Ma et al., (b) Mason et al., and (c) Mirzaei-Paiaman and 
Masihi (Mirzaei‐Paiaman and Masihi, 2014) 

Ghaedi and Riazi (2016), denoted as GR, which stands for Ghaedi and Riazi, in Equation 28, generated 
30 recovery curves with AFO boundary condition using Eclipse100 and scaled them with their proposed 
scaling equation that included the gravity effect, too. These 30 simulated tests comprised 3 sets of 10 
tests on oil-wet, mixed-wet, and water-wet rock conditions. They could scale each dataset, separately, 
and their scaling equation is as follows (Ghaedi and Riazi, 2016): 

tD-GR	=	tD-GR,	capillary	+	tD-GR,	gravity	=	(
σ	Qk φ⁄
Lc2

	β	t	+	 ∆ρ	g	kφ	H 	β	t (28) 

where H is rock sample height, and β is defined as follows (Ghaedi and Riazi, 2016): 

β	=	 λrw	
* λro*

λrw* 	+	λro*
 (29) 

It should be mentioned that similar to the scaling equations of Zhou et al. (2002) and Behbahani and 
Blunt (2005), mobilities are defined at the end-point in Equation 29 (Behbahani and Blunt, 2005; Ghaedi 
and Riazi, 2016; Zhou et al., 2002). The relative permeability and capillary pressure curves applied to 
the simulations of Ghaedi and Riazi (2016) are shown in Figures 6a and 6b, respectively. Cubic matrix 
blocks are used for the simulations; length in the x-direction and width in the y-direction were 10–30 
feet, and height in the z-direction was 10–50 feet; k was 1–20 mD, and φ was 0.1–0.3. The viscosity of 
imbibing brine was 0.3985 cP, and that of oil equaled 0.3848–2.93 cP (Ghaedi and Riazi, 2016). 
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One of the main criticisms of the scaling equations developed based on recovery data generated by 
simulation is that the conditions of simulations are far from the real complex conditions of the 
hydrocarbon reservoirs. Therefore, researchers should try to use the actual experimental data as close 
as to the reservoir conditions. Moreover, for those scaling equations that include gravity effects, 
laboratory tests on tall rock samples where gravity affects the recovery are needed. 

  

Figure 6 

The (a) relative permeability and (b) capillary pressure curves used in the simulations of Ghaedi and Riazi (2016); 
Type I: water-wet, Type II: mixed-wet, and Type III: oil-wet (Ghaedi and Riazi, 2016) 

Meng et al. (2016), denoted as MLWZ, which stands for Meng, Liu, Wang, and Zhang, in Equation 30, 
proposed a more general form of a scaling equation than that of Mirzaei-Paiaman and Masihi (Mirzaei‐
Paiaman and Masihi, 2014) for COCSI conditions. They performed 10 OEO tests on glass-bead packing 
(5 tests) and quartz-sand packing (5 tests) with a wide range of viscosity ratios (μo/μw = 0.05–2.8). Then, 
they could scale their tests by the following equation (Meng et al., 2016): 

tD-MLWZ	=	Ät	(
k
φ	

2	σ
(µw	+	µwn 	µo1–n)	L2

 (30) 

where n is a matching parameter pertinent to the pore structure of the porous media. The best n is 0.1 
and 0.5 for glass-bead and quartz-sand packing, respectively (Meng et al., 2016). 

Meng et al. (2017), denoted as MLWL, which stands for Meng, Liu, Wang, and Liu, in Equation 31, 
modified the viscosity term of the scaling equation of Ma et al. (1997) to improve its scaling quality for 
the scaling of linear COUCSI tests with diverse viscosity ratios (μo/μw = 0.01–100). They could scale 
10 OEO tests from the literature (Fischer et al., 2008) and 11 simulated OEO tests by their new scaling 
equation, separately (Meng et al., 2017): 

tD-MLWL	=	t2k
φ

σ
( µw
0.00966+

µo
0.252)Lc

2                               (MLWL = Meng, Liu, Wang and Liu) (31) 

The results of data scaling by Equation 31 are depicted in Figure 7 (Meng et al., 2017). 
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Abbasi et al. (2018), denoted as ASRG, which stands for Abbasi, Sarafrazi, Riazi, and Ghaedi, in Equation 
32, developed a new shape factor to apply to the scaling equation of Ma et al. (1997). They scaled 30 AFO 
tests (pure COUCSI) which were generated by a commercial reservoir simulator using the scaling 
equation of Ma et al. and their new shape factor (the characteristic length) as follows (Abbasi et al., 2018): 

  

  

Figure 7 

The scaling results for 11 simulated tests scaled by (a) Equation 8 and (b) Equation 31 and 10 literature tests 
(Fischer et al., 2008) scaled by (c) Equation 8 and (d) Equation 31 (Meng et al., 2017) 

 

FS-ASRG=
4( kxa2 	+	

ky
c2 	+	

kz
b2 )

kavg
	 (32) 

where a, b, and c are the block matrix dimensions (as shown in Figure 8); kx, ky, and kz indicate the 
matrix absolute permeability in the x, y, and z directions, respectively (Abbasi et al., 2018); kavg 
represents the block average permeability that can be computed in two manners. They applied the mass 
conservation law of Heinemann and Mittermeir (2012) for compressible, immiscible, and two-phase 
flow and the definition of Barenblatt et al. (1960) for the interflow of a dual-continuum system to 
develop their new shape factor (Abbasi et al., 2018; Barenblatt et al., 1960; Heinemann and Mittermeir, 
2012). 
Equation 33 should be applied to a two-dimensional flow, while Equation 34 should be used for a three-
dimensional flow (Abbasi et al., 2018): 
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kavg	=	Qkh	kv										;										kh	=	2kx	ky (33) 

kavg	=	2kx	ky	kz3  (34) 

where, kh and kv are the horizontal and vertical matrix permeabilities, respectively (Abbasi et al., 2018). 

 

Figure 8 

A schematic of a matrix block (Abbasi et al., 2018) 

The scaling results of the shape factors of Kazemi et al. (1992) and Abbasi et al. (2018) for 30 data 
generated by simulation are plotted in Figure 9. Comparing Figures 9a–9d shows that the ASRG shape 
factor (Equation 32) has better results (closer data points) than the KGE shape factor (Equation 3) when 
either Equation 33 or Equation 34 is used as the permeability averaging method. However, it can be seen 
in Figures 9b and 9d that Equation 33 has relatively better scaling quality than Equation 34 when using 
the ASRG shape factor in the scaling equation of Ma et al. Although the matrix block height varied from 
one foot to 120 feet, the gravity effects were neglected in this survey (Abbasi et al., 2018; Ma et al., 1997). 
Many experimental imbibition tests are needed to evaluate the validity of this new shape factor.  

Zhang et al. (2018), denoted as ZSAS, which stands for Zhang, Saputra, Adel, and Schechter, in 
Equation 35, proposed a new scaling equation capable of scaling 34 AFO tests performed on shale rock 
samples collected from five literature works (Alvarez et al., 2018; Alvarez et al., 2017; Alvarez and 
Schechter, 2017; Saputra and Schechter, 2018; Zhang et al., 2018a). Among these 34 tests, 28 tests had 
a surfactant added to their imbibing brines to reduce interfacial tension and capillary pressure. Their 
new scaling equation is as follows (Zhang et al., 2018b): 

tD-ZSAS	=	t	(
k
φ	
φ2	abs(log(σ))	Cos(θ)

Qµw	µo	Lc2
 (35) 
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Figure 9 

The scaling results for 30 data generated by simulation scaled by the scaling equation of Ma et al. (1997) using 
(a) KGE shape factor and Equation 33, (b) ASRG shape factor and Equation 33, (c) KGE shape factor and 
Equation 34, and (d) ASRG shape factor and Equation 34 (Abbasi et al., 2018) 

Zhang et al. (2018) illustrated the scaling power of their equation by comparing it with the scaling 
equations of Ma et al. (1997) and Gupta and Civan (1994), as shown in Figure 10 (Zhang et al., 2018b). 

  

 
Figure 10 

The results of the scaling equations of (a) Ma et al. (1997), (b) Gupta and Civan (1994), and (c) Zhang et al. (2018b) 

Meng et al. (2019), denoted as MCW, which stands for Meng, Cai, and Wang, in Equation 36, 
developed a modified characteristic length and applied it to the scaling equation of Ma et al. (1997) to 
scale 16 simulated and 5 experimental tests with different boundary conditions, separately. They 
compared the scaling quality of the new characteristic length with that of the original characteristic 
length (Ma et al., 1997) as shown in Figure 11. The characteristic length proposed by Meng et al. (2019) 
is defined as (Meng et al., 2019): 
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LC-MCW2 	=	 Ñ1	 − 	 t
tend
Ö	LC-Theo2 	+	 t

tend
	LC-MMZ2    (36) 

where tend and LC-Theo are the oil production cease time and theoretical characteristic length, respectively. 
The LC-Theo is given by (Meng et al., 2019): 

LC-Theo	=	
Vb

∑Ama
 (37) 

where Vb and Ama are the bulk volume and each surface area open to flow of the matrix block, 
respectively. In the theoretical characteristic length, it is assumed that there is no fluid flow overlap 
between diverse faces open to imbibition. Only in the early time of imbibition, this assumption is 
reliable. In later times, the fluid flow overlaps between different imbibition faces and declines the oil 
production rate, leading to an increase in dimensionless time. The spontaneous imbibition recovery data 
cannot be scaled by a constant characteristic length because there are various shapes for diverse 
boundary conditions. The advantage of the new characteristic length of Meng et al. (2019) is its 
variation with time. In Equation 36, the theoretical characteristic length has a higher weight in the early 
time of imbibition, and the characteristic length of Ma et al. (1997) has a higher weight in the later times 
of imbibition (Ma et al., 1997; Meng et al., 2019). 

  

  

Figure 11 

The scaling results of 16 simulated tests using (a) LC-MMZ and (b) LC-MCW and 5 experimental tests using (c) LC-MMZ 

and (d) LC-MCW in the scaling equation of Ma et al. (Ma et al., 1997; Meng et al., 2019) 
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It appears that one of the limitations of Equation 36 is that tend is unknown before performing any 
imbibition test; nonetheless, the purpose of scaling equations is the prediction of oil recovery by 
imbibition in a system with known rock and fluid properties. Meng et al. (2019) proposed a simple 
procedure to fix this issue. They believed that as the characteristic length of Ma et al. (1997) 
compensates for the variation in the boundary conditions in the later times of imbibition, tend can be 
obtained by applying the scaling equation of Ma et al. (1997) (Ma et al., 1997; Meng et al., 2019). 

Keykhosravi and Simjoo (2020), denoted as KS, which stands for Keykhosravi and Simjoo, in Equation 
38, defined a new scaling equation when the imbibing brine contained nanoparticles responsible for the 
wettability alteration of the rock sample to a more water-wet state (reducing the contact angle) and 
improvement in the oil recovery. They could scale nine AFO tests (five tests by imbibing brines 
containing SiO2 and four tests by imbibing brines containing γ-Al nanoparticles) performed on dolomite 
rock samples using their new scaling equation (Keykhosravi and Simjoo, 2019, 2020): 

tD-KS	=	t	(
k
φ	
abs(log(σ))	( π	 − 	θ(t)θi 	+	 θi 	− 	θ(t)θi	 − 	θf )

Qµw	µo	Lc2
 (38) 

where θi, θf, and θ(t) are the initial, final, and time-dependent contact angles, respectively.  

In case of no wettability alteration, the term ( π	–	θ(t)θI
	+	 θI	–	θ(t)θI	–	θf

) is reduced to (
π
θi
) (Keykhosravi and 

Simjoo, 2020). This term was added to consider wettability alteration during imbibition by 
nanoparticles; however, it is difficult to measure the contact angle during each time step of an 
experiment (θ(t)). Moreover, θf and θ(t) are unknowns for a system the oil recovery of which should be 
predicted by imbibition. In general, an applicable scaling equation should contain parameters that 
practically are feasible to measure and/or guess.  
Bassir et al. (2023), denoted as BBSKM, which stands for Bassir, Behbahani, Shahbazi, Kord, and 
Mirzaei-Paiaman, in Equation 39, scaled imbibition recovery by modified salinity brine and included 
the effect of different salinities of imbibing and connate brines by introducing a new term based on 
brine ionic strength into former scaling equations. They could scale 59 AFO real experimental data on 
limestone rock samples that were collected from 14 literature works (Al-Harrasi et al., 2012; 
Chandrasekhar and Mohanty, 2013; Feldmann et al., 2020; Nasralla et al., 2018; Rashid et al., 2015; 
Ravari, 2011; Romanuka et al., 2012; Roostaei, 2014; Shariatpanahi et al., 2010; Shirazi et al., 2020; 
Song et al., 2020; Torrijos, 2017; Zaeri et al., 2018; Zaeri et al., 2019). 
To develop their equation, they initially evaluated the ability of the scaling equations of Mattax and 
Kyte (1962), Ma et al. (1997), and Mason et al. (2010) to scale the 59 experimental data (Ma et al., 
1997; Mason et al., 2010; Mattax and Kyte, 1962). Their analysis showed that the scaling equation of 
Mason et al. (2010) had more capability to scale data relative to the other equations. Therefore, the 
scaling equation of Mason et al. (2010) was used as the base equation for the development and scaling 
of imbibition recovery by modified salinity brine. 
In the next stage, the 59 collected tests were divided into two categories: training (47 tests) and testing 
(12 tests) datasets. The training dataset was used for the development of their new scaling equation, and 
the testing dataset (unseen data) was employed to evaluate the new equation. They added an empirical 

term based on the ionic strength of both imbibing and connate brines (i.e., 
Iw
Iwi

) and assigned an empirical 

exponent to it. The arithmetic mean of data scatter was used for an accurate comparison of different 
exponents. This parameter can be calculated by arithmetic averaging of data scattering at certain levels 
of the vertical axis (i.e., R/R∞ = 0, 0.1…, 0.9, and 1) in log cycles. The new scaling equation of Bassir 
et al. (2023) is defined as: 
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tD-BBSKM	=	t	(
k
φ	

2	σ
(µw	+	Qµw	µo)	Lc2

	( IwIwi
)0.38 (39) 

where Iw and Iwi are the ionic strengths of the imbibing and connate brines, respectively. They believed 
that the power of 0.38 might be unique and specific to limestone rock samples. However, a matching 
analysis must be performed for other lithologies and even for limestones using more real imbibition 
experiments. Figure 12 shows the scaling quality of the four equations including the new equation 
(Bassir et al., 2023). 
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Figure 12 

The results of the scaling equations of (a) Mattax and Kyte (1962), (b) Ma et al. (1997), (c) Mason et al. (2010), 
and (d) Bassir et al. (2023)  
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Table 1 

Test properties scaled by the proposed scaling equations in the literature 

Authors 

(Year) 
Tests 

source 
Number 

of tests 
Fluid’s 

system Lithology Boundary 

condition 

Imbibing 
brine 

salinity 

(ppm) 

Connate brine 

μo/μw 
Test 

pressure 

(psia) 

Test 

temperature 

(°C) 

Aging conditions 
EOR 

technique 

Gravity 

inclusion 
Comment Saturation 

(%) 
Salinity 
(ppm) 

Temperature 
(°C) 

Time 
(Days) 

Mattax and 
Kyte (1962) 

Mattax and 
Kyte (1962) 

4 Oil–
brine 

Alundum OEO 
0 0 ----- 

9–9.4 Ambient 
pressure 

Ambient 
temperature No aging No No ----- 

2 Sandstone AFO 176 

Kazemi et 
al. (1992) 

Mattax and 
Kyte (1962) 

4 Oil–
brine 

Alundum OEO 
0 0 ----- 

9–9.4 Ambient 
pressure 

Ambient 
temperature No aging No No ----- 

2 Sandstone AFO 176 

Reis and Cil 
(1993) 

Mattax and 
Kyte (1962) 4 

Oil–
brine 

Alundum OEO 0 0 ----- 9–9.4 

Ambient 
pressure 

Ambient 
temperature 

No aging No No 

Specialized 
for linear 
imbibition 
(i.e., OEO 
and TEO) / 

Cuiec et 
al.’s paper 

was 
unavailable 

to the 
authors. 

Bourbiaux 
and 

Kalaydijan 
(1990) 

1 Sandstone OEO NR* 40 NR 1.25 

20 

Hamon and 
Vidal (1986) 

3 Aluminum 
silicate 

TEO 
0 

13.6–18.9 
0 11.5 

5 OEO 16.4–19.8 

Cuiec et al. 
(1990) 3 Chalk TEO NR 

Gupta and 
Civan 
(1994) 

Mattax and 
Kyte (1962) 

4 Oil–
brine 

Alundum OEO 
0 0 ----- 

9–9.4 Ambient 
pressure 

Ambient 
temperature No aging No No 

Cuiec et 
al.’s paper 

was 2 Sandstone AFO 176 
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Authors 

(Year) 
Tests 

source 
Number 

of tests 
Fluid’s 

system Lithology Boundary 

condition 

Imbibing 

brine 

salinity 

(ppm) 

Connate brine 

μo/μw 
Test 

pressure 

(psia) 

Test 

temperature 

(°C) 

Aging conditions 
EOR 

technique 

Gravity 

inclusion 
Comment Saturation 

(%) 
Salinity 
(ppm) 

Temperature 
(°C) 

Time 
(Days) 

Hamon and 
Vidal (1986) 5 Aluminum 

silicate OEO 16.4–19.8 0 11.5 20 
unavailable 

to the 
authors. 

Cuiec et al. 
(1990) 3 Chalk TEO NR 

Babadagli 
(1996) 

Babadagli 
(1996) 13 Oil–

brine Sandstone AFO 30,000 0 ----- 2.19–238 Ambient 
pressure 

Ambient 
temperature NR No No 

Aging was 
performed 

but the 
temperature 

and time 
were not 
reported. 

Ma et al. 
(1997) 

Mattax and 
Kyte (1962) 

4 

Oil–
brine 

Alundum OEO 
0 0 ----- 

9–9.4 

Ambient 
pressure 

Ambient 
temperature 

No aging No No ----- 

2 Sandstone AFO 176 

Hamon and 
Vidal (1986) 

1 

Aluminum 
silicate 

AFO 

0 

13.2 

0 11.5 20 3 TEO 13.6–18.9 

4 OEO 16.4–19.8 

Zhang et al. 
(1996) 

6 

Sandstone 

AFO 

22,200 0 ----- 

39 

Ambient 
temperature 

1 TEO 

3 TEC 
4–162 

3 OEO 
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Authors 

(Year) 
Tests 

source 
Number 

of tests 
Fluid’s 

system Lithology Boundary 

condition 

Imbibing 

brine 

salinity 

(ppm) 

Connate brine 

μo/μw 
Test 

pressure 

(psia) 

Test 

temperature 

(°C) 

Aging conditions 
EOR 

technique 

Gravity 

inclusion 
Comment Saturation 

(%) 
Salinity 
(ppm) 

Temperature 
(°C) 

Time 
(Days) 

Zhou et al. 
(2002) 

Zhou et al. 
(2002) 5 

Oil–
brine (4) 

Gas–
brine (1) 

Diatomite OEO 0 0 ----- 0.84–25 
Ambient 
pressure 

Ambient 
temperature No aging No No 

Specialized 
for 

COUCSI 

Simulated 3 Oil–
brine NR 1–200 

Ruth et al. 
(2004) Simulated NR Oil–

brine Sandstone OEO 0 0 ----- 0.0001–
10000 

Ambient 
pressure 

Ambient 
temperature No aging No No 

Specialized 
for 

COUCSI 

Behbahani 
and Blunt 

(2005) 

Zhou et al. 
(2000) 5 

Oil–
brine Sandstone 

AFO 

22,200 15 22,200 40.59 Ambient 
pressure 

Ambient 
temperature 88 0–10 No No 

The 
simulation 

was 
performed 

by 
Eclipse100. 

Simulated 5 OEO 

Fischer and 
Morrow 
(2006) 

Fischer and 
Morrow 
(2006) 

27 Oil–
brine Sandstone AFO 35,587 0 ----- 0.01–43 Ambient 

pressure 20 No aging No No ----- 

Fischer et 
al. (2008) 

Fischer et 
al. (2008) 

10 

Oil–
brine Sandstone 

OEO 

39,587 0 ----- 

0.01–63.3 

Ambient 
pressure 20 No aging No No ----- 12 TEC 0.01–173 

6 AFO 0.65–63.3 
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Authors 

(Year) 
Tests 

source 
Number 

of tests 
Fluid’s 

system Lithology Boundary 

condition 

Imbibing 

brine 

salinity 

(ppm) 

Connate brine 

μo/μw 
Test 

pressure 

(psia) 

Test 

temperature 

(°C) 

Aging conditions 
EOR 

technique 

Gravity 

inclusion 
Comment Saturation 

(%) 
Salinity 
(ppm) 

Temperature 
(°C) 

Time 
(Days) 

Fischer and 
Morrow 
(2006) 

2 35,587 0.04–0.89 

Standnes 
(2009) Simulated 

22 Oil–
brine 

Chalk TEC NR 

0.002–22 

NR No aging No No 

Specialized 
for radial 
imbibition 
(i.e., TEC) 25 Gas–

brine 
0.0000182–

0.182 

Mason et al. 
(2010) 

Fischer and 
Morrow 
(2006) 

27 

Oil–
brine Sandstone 

AFO 35,587 

0 ----- 

0.01–43 

Ambient 
pressure 20 No aging No No ----- 

Fischer et 
al. (2008) 

10 OEO 
39,587 

0.01–63 

12 TEC 0.008–173 

Standnes 
(2010a) Simulated 18 Oil–

brine NR AFO NR 24 NR 0.00125–
0.5 NR No aging No No 

The 
simulation 

was 
performed 

by 
Eclipse100. 

Standnes 
(2010b) Simulated 5 Oil–

brine NR AFO NR 24 NR 0.5 NR No aging No Yes 

The 
simulation 

was 
performed 

by 
Eclipse100. 
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Authors 

(Year) 
Tests 

source 
Number 

of tests 
Fluid’s 

system Lithology Boundary 

condition 

Imbibing 

brine 

salinity 

(ppm) 

Connate brine 

μo/μw 
Test 

pressure 

(psia) 

Test 

temperature 

(°C) 

Aging conditions 
EOR 

technique 

Gravity 

inclusion 
Comment Saturation 

(%) 
Salinity 
(ppm) 

Temperature 
(°C) 

Time 
(Days) 

Pordel 
Shahri et al. 

(2012) 

Babadagli 
(2003) 1 

Oil–
brine 

Sandstone OEO 30,000 0 ----- 5.09 Ambient 
pressure 

Ambient 
temperature No aging No 

Yes 

Kanani’s 
thesis was 

unavailable 
to the 

authors. 

Kanani 
(2007) 5 NR 1.21 NR 

Salehi 
(2009) 4 Limestone 

AFO 

44,940 

0 ------ 

1.56 Ambient 
pressure 45 90 21 Surfactant 

Pordel 
Shahri et al. 

(2012) 
4 Sandstone 10,000 2.18 Ambient 

pressure 
Ambient 

temperature 60 14 Surfactant 

Mirzaei-
Paiaman 

and Masihi 
(2014) 

Hamon and 
Vidal (1986) 4 

Oil–
brine 

Aluminum 
silicate 

OEO 

0 16.4–19.8 0 11.5 

Ambient 
pressure 20 No aging No No ----- 

Bourbiaux 
and 

Kalaydijan 
(1990) 

1 Sandstone NR 40 NR 1.25 

Akin et al. 
(2000) 2 

Oil–
brine (1) 

Gas–
brine (1) 

Diatomite 

0 0 ----- 

0.0182–
0.84 

Standnes 
(2004) 1 Oil–

brine Chalk 0.95 
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Authors 

(Year) 
Tests 

source 
Number 

of tests 
Fluid’s 

system Lithology Boundary 

condition 

Imbibing 

brine 

salinity 

(ppm) 

Connate brine 

μo/μw 
Test 

pressure 

(psia) 

Test 

temperature 

(°C) 

Aging conditions 
EOR 

technique 

Gravity 

inclusion 
Comment Saturation 

(%) 
Salinity 
(ppm) 

Temperature 
(°C) 

Time 
(Days) 

Ghaedi and 
Riazi (2016) Simulated 30 Oil–

brine NR AFO NR 20–30 NR 0.86–7.35 1500–
3500 NR 

Water-wet (10) 
Mixed-wet (10) 

Oil-wet (10) 
No Yes 

The 
simulation 

was 
performed 

by 
Eclipse100. 

Meng et al. 
(2016) 

Meng et al. 
(2016) 

5 

Oil–
brine 

Glass-bead 
packing 

OEO 30,700 0 ----- 0.05–2.8 Ambient 
pressure 20 No aging No No ----- 

5 
Quartz-

sand 
packing 

Meng et al. 
(2017) 

Fischer et 
al. (2008) 10 

Oil–
brine 

Sandstone 

OEO 

39,587 0 ----- 0.01–63.6 Ambient 
pressure 20 

No aging No No ----- 

Simulated 11 NR NR 0.01–100 NR 

Abbasi et al. 
(2018) Simulated 30 Oil–

brine NR AFO NR 22 NR 1.5 NR No aging No No ----- 

Zhang et al. 
(2018) 

6 references 
from 2015 

to 2018 
34 Oil–

brine Shale AFO 0 NR 0 NR NR Surfactant 
(28 tests) No 

Aging was 
performed 

but the 
temperature 

and time 
were not 
reported. 
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Authors 

(Year) 
Tests 

source 
Number 

of tests 
Fluid’s 

system Lithology Boundary 

condition 

Imbibing 

brine 

salinity 

(ppm) 

Connate brine 

μo/μw 
Test 

pressure 

(psia) 

Test 

temperature 

(°C) 

Aging conditions 
EOR 

technique 

Gravity 

inclusion 
Comment Saturation 

(%) 
Salinity 
(ppm) 

Temperature 
(°C) 

Time 
(Days) 

Meng et al. 
(2019) 

Simulated 16 Oil–
brine NR 

OEO (3) 
TEO (6) 
OEC (4) 
AFO (3) 

NR 

2 

NR 

2.8 

NR No aging No No ----- 

Meng et al. 
(2019) 5 Gas–

brine Synthetic 

Five 
different 
boundary 
conditions 

0 NR 

Keykhosravi 
and Simjoo 

(2020) 

Keykhosravi 
and Simjoo 

(2019) 
5 

Oil–
brine Dolomite AFO 

2,000–
10,000 

0.15–0.17 

2,000–
10,000 NR 

Ambient 
pressure 80 80 21 

γ-Al (4 tests) 
SiO2 (5 tests) 
nanoparticles 

No ----- 
Keykhosravi 
and Simjoo 

(2020) 
4 0 0 10.5–51.4 

Bassir et al. 
(2023) 

14 works 
from 2010 

to 2020 
59 Oil–

brine Limestone AFO 438–
97,225 9.1–68 43,800–

292,200 3.5–43.8 Ambient 
pressure 60–130 60–120 7–42 Modified 

salinity brine No ----- 
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3. Limitations of scaling equations 
As can be concluded from Table 1, conditions of the experimental data in the literature that were used 
to develop new scaling equations did not resemble real reservoir conditions. Thus, the following 
limitations for literature scaling equations can be inferred from Table 1:  

• Tests temperature and pressure: Most tests in the literature are performed at room 
temperature, and few are executed at high temperatures and high pressures (close to the 
reservoir conditions). 

• Connate brine existence: Usually, there is a brine saturation in reservoir rocks, but about half 
of the experiments in the literature had no initial brine saturation, which is far from the reservoir 
conditions. 

• Brines salinities: Formation and injected (e.g., seawater) brine salinities have a very wide range 
from about 40,000 to 240,000 ppm. The column of imbibing and connate brines salinities of 
Table 1 illustrates a discrepancy between the brine salinity of laboratory tests and that of 
formation and injected brines in actual conditions. 

• Initial wettability: Most fractured reservoirs are oil-wet carbonate. Usually, the wettability of 
rock samples in the laboratory is altered by the aging process. The column of aging conditions 
of Table 1 shows that most rock samples are weakly to strongly water-wet. 

• EOR schemes: In oil-wet fractured carbonate reservoirs, many EOR techniques such as 
surfactants (Bassir and Shadizadeh, 2020; Khayati et al., 2020; Shi et al., 2021), nanoparticles 
(Abhishek et al., 2018; Hamouda and Abhishek, 2019; Olayiwola and Dejam, 2020), and ionic 
liquids (Bera et al., 2020; Esfandiarian et al., 2021; Pillai and Mandal, 2019) are proposed to 
alter rock wettability. From the column of EOR technique of Table 1, it can be inferred that 
most tests did not have any EOR fluid in their imbibing brines. As these reservoirs are 
candidates for EOR schemes to alter their wettability, the inclusion of the EOR-related 
parameters into the spontaneous imbibition scaling equations appears essential. 

• Gravity effects: In tall matrix blocks and/or in blocks surrounded by water, gravity force affects 
the oil recovery; therefore, this force must be considered in scaling equations. The column of 
gravity inclusion of Table 1 indicates that most scaling equations exclude this force and just 
include the effect of capillary force. 

• Limited number of experimental data: According to the column of number of tests of Table 
1, some scaling equations are justified by a few tests (e.g., less than 10 tests), which can highly 
reduce their validity. A higher number of experimental data especially in diverse rocks and 
fluids from different countries certainly help develop stronger and applicable scaling equations. 

• Simulated data: The column of tests source of Table 1 shows that some scaling equations are 
validated only using recovery data generated by simulations. Any simulator has its assumptions, 
and its output might be far from reservoir conditions. Therefore, the outputs of these simulators 
are not reliable enough; consequently, the validity of these scaling equations is questionable. 

• Diversity in boundary conditions: The column of boundary condition of Table 1 shows that 
most scaling equations in the literature are tested for one type of boundary condition. For 
checking the validity, all scaling equations must be examined for different boundary conditions. 

• Lithology specialization: Due to the complex nature of each lithology, scaling equation 
development and application might be limited to one lithology. For example, Bassir et al. 
(2023) and Meng et al. (2016) defined a matching parameter in their scaling equations that is 
believed to be related to a distinct lithology and specific properties such as pore structure. This 
point must be evaluated and clarified. 
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4. Recommendations for future studies 
Two kinds of recommendations are presented for future work: experimental and data analysis. 
Researchers interested in the experimental works in spontaneous imbibition area should consider the 
following: 

ü All the parameters of the imbibition tests such as temperature and pressure, aging conditions, and 
brines salinities should be set close to the hydrocarbon reservoir conditions. 

ü Spontaneous imbibition tests of single/hybrid EOR fluids need to be considered. 
ü Many imbibition experiments with different boundary conditions (especially other than AFO) are 

needed. 

For researchers who are interested in spontaneous imbibition data analysis, the following comments are 
recommended: 

ü The inclusion of gravity effects in the development of new scaling equations should be considered. 
ü Applying simulation-generated recovery data for validating new scaling equations is not enough 

and trusty. Sufficient experimental data are needed to develop an equation that can be used in a 
simulator with an acceptable error. 

ü Many real experimental data with different boundary conditions are required to verify any new 
scaling equation. 

ü The tests data may need to be categorized based on rock lithology and matching parameters, or 
indices may be allocated to only one lithology. 

5. Conclusions 
This work gathered many spontaneous imbibition scaling equations for different rock and fluid 
conditions presented in the literature. However, the basic assumptions of most equations may differ 
from real reservoir conditions, which can cause large errors in the prediction of spontaneous imbibition 
oil recovery in fractured reservoirs. Since fractured carbonate reservoirs are mainly oil-wet, high oil 
production rate and high-permeability/low-porosity fracture network can rapidly make large water-
invaded zones where spontaneous imbibition is one of the main oil recovery mechanisms. Injection of 
some special fluids to improve or enhance oil recovery by wettability alteration needs scaling equations 
that are developed for such conditions. However, many new research activities are still needed in this 
area. The final goal may be a general scaling equation with a specialized term for each EOR scheme 
and lithology. This scaling equation can be used to develop suitable transfer functions for application 
in the reservoir simulators and promotion of their accuracy in predicting oil recovery in fractured 
reservoirs. 

Nomenclature 
English letters  

Ama Matrix surface area, cm2 

a, b Matching parameters in tD-FWM 

abs Absolute value 

AFO All faces open 

COCSI Cocurrent spontaneous imbibition 

COUCSI Countercurrent  spontaneous imbibition 

C1, C2 Matching parameters in tD-RMML 
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D Core diameter, cm 

d Differential 

dma Distance from each open surface to the matrix block center 

e Euler’s number 

EOR Enhanced oil recovery 

FS Shape factor, 1/cm3 

f(θ) Wettability function 

f1(ψ), f2(ψ) Viscosity ratio functions 

H Core height, cm 

I Ionic strength, mol/L 

IFT Interfacial tension, mN/m 

IOIP Initial oil in place, cm3 

k Rock permeability, mD 

kr
*
 End-point relative permeability, fraction 

L Core/tube length, cm 

Lc Characteristic length, cm 

LH Core height, cm 

lma Distance from the imbibition face to the corresponding no-flow boundary, cm 

m A matching parameter in tD-RMML 

M* End-point mobility ratio 

n A matching parameter in tD-MLWZ 

NI Normalization index 

NR Not reported 

OEC One end closed 

OEO One end open 

P Pressure, psia 

ppm Part per million 

psia Pounds per square inch (absolute) 

PV Pore volume, cm3 

R Oil production, Fraction of IOIP 

r Tube radius, cm 

R∞ Ultimate oil recovery, Fraction of IOIP 

SiO2 Silica nanoparticles 

Sw Imbibing brine saturation, fraction 

t Time, days 

tD Dimensionless time 

tend Total time of recovery, days 

TEC Two ends closed 

TEO Two ends open 

Vb Bulk volume, cm3 
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VE Viscosity exponent 

W Lambert’s W-function 

x An arbitrary value between –e
–1 and zero (in Lambert’s W-function) 

Greek letters  

β A term that includes imbibing brine and oil end-point mobilities (in tD-GR), 
mD/cP 

γ-Al Gamma-Alumina nanoparticles 

Δ Difference 

θ Contact angle 

θ(t) Time-dependent contact angle 

λr
*
 End-point mobility, mD/cP 

µ Viscosity, cP 

π An angle in radians equivalent to 180° / Pi number 

ρ Density, g/cm3 

σ Interfacial tension, mN/m 

φ Rock porosity, fraction 

ψ Viscosity ratio 

Subscripts  

ASRG Abbasi, Sarafrazi, Riazi, Ghaedi 

avg Average 

B Babadagli 

BB Behbahani, Blunt 

BBSKM Bassir, Behbahani, Shahbazi, Kord, Mirzaei-Paiaman 

i Initial 

f Final 

FM Fischer, Morrow 

FWM Fischer, Wo, Morrow 

GC Gupta, Civan 

GR Ghaedi, Riazi 

h Horizontal 

KGE Kazemi, Gilman, Elsharkawy 

KS Keykhosravi, Simjoo 

MCW Meng, Cai, Wang 

MFMR Mason, Fischer, Morrow, Ruth 

MK Mattax, Kyte 

MLWL Meng, Liu, Wang, Liu 

MLWZ Meng, Liu, Wang, Zhang 

MM Mirzaei-Paiaman, Masihi 

MMZ Ma, Morrow, Zhang 

o Oil 

PJS Pordel Shahri, Jamialahmadi, Shadizadeh 
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RC Reis, Cil 

RMML Ruth, Mason, Morrow, Li 

S Standnes 

Theo Theoretical 

v Vertical 

w Imbibing brine 

wi Connate brine 

x In x-direction 

y In y-direction 

z In z-direction 

ZJKK Zhou, Jia, Kamath, Kovscek 

ZSAS Zhang, Saputra, Adel, Schechter 
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Appendix A: A simple derivation of Mattax and Kyte’s scaling equation 

Hagen-Poiseuille’s (1846) equation for laminar flow in a tube is as follows (Pfitzner, 1976): 

Q	=	 π	r
4	∆P

8	µw	L   (A-1) 

As Q = dV / dt and in a tube, dV = π r2
dL, one may have: 

π	r2dL
dt 	=	 π	r

4	∆P
8	µw	L   (A-2) 

After simplification: 

dL
dt 	=	

r2	∆P
8	µw	L  (A-3) 

In the spontaneous imbibition process, ΔP = ∆Pc and from the Young-Laplace (1805) equation, Pc = 
2σCos(θ)/r (Gauss, 1830). After substitution: 

dL
dt 	=	

r2	(2	σ	Cos(θ)	/	r)
8	µw	L   (A-4) 

After simplification and rearrangement: 

L	dL	=	 r	σ	Cos(θ)4	µw dt  (A-5) 

Integration along the tube length and the imbibition time yields:  

L2
2 	=	

r σ Cos(θ)
4 µw  t  (A-6) 

If both sides of Equation (A-6) are divided by L2, the right-hand side becomes a dimensionless term and 
can be considered dimensionless time. Moreover, in dimensionless terms, constants can be ignored 
because the parameter configuration is important. Consequently, we have: 

tD	=	
r σ Cos(θ)
µw	L2 	t  (A-7) 

Leverett (1941) believed that the tube radius (r) is proportional to 9k
φ	 in porous media (Leverett, 1941). 

Moreover, in the scaled tests by the scaling equation of Mattax and Kyte (1962), rock samples are 
strongly water-wet; hence, cos(θ) becomes unity: 

tD-MK	=	?
k
φ	

σ
µw L2  t	 (A-8) 

 


